APPENDIX A — Part H Language for Enforcement of Reasonable
Progress Determinations



H.21. General Requirements: Control Measures for Area and Point Sources, Emission
Limits and Operating Practices, Regional Haze Requirements

a.

Except as otherwise outlined in individual conditions of this Subsection IX.H.21
listed below, the terms and conditions of this Subsection IX.H.21 shall apply to all
sources subsequently addressed in Subsection IX.H.22. Should any
inconsistencies exist between these two subsections, the source specific
conditions listed in IX.H.22 shall take precedence.

The definitions contained in R307-101-2, Definitions and R307-170-4, Definitions,
apply to Section IX, Part H. In addition, the following definition also applies to
Section IX, Part H.21 and 22:

Boiler operating day means a 24-hour period between 12 midnight and the
following midnight during which any fuel is combusted at any time in the boiler. It is
not necessary for fuel to be combusted for the entire 24-hour period.

The terms and conditions of R307-107-1 and R307-107-2 shall apply to
all sources subsequently addressed in Subsection IX.H.22.

Any information used to determine compliance shall be recorded for all periods
when the source is in operation, and such records shall be kept for a minimum of
five years. All records required by IX.H.21.c shall be kept for a minimum of five
years. Any or all of these records shall be made available to the Director upon
request.

All emission limitations listed in Subsections IX.H.22 shall apply at all times, unless
otherwise specified in the source specific conditions listed in IX.H.22. Each source
shall submit a report of any deviation from the applicable requirements of
Subsection IX.H, including those attributable to upset conditions, the probable
cause of such deviations, and any corrective actions or preventive measures taken.
The report shall be submitted in accordance with the requirements of R307-170,
Continuous Emission Monitoring Program. Deviations due to breakdowns shall be
reported according to the breakdown provisions of R307-107.

Stack Testing:

i. As applicable, stack testing to show compliance with the emission limitations for
the sources in Subsection IX.H.22 and 1X.H.23 shall be performed in accordance
with the following:

A. Sample Location: The testing point shall be designed to conform to the requirements of 40
CFR 60, Appendix A, Method 1, or the most recent version of the EPA-approved test method if
approved by the Director.



. Volumetric Flow Rate: 40 CFR 60, Appendix A, Method 2, or the-mestrecent-version-of-the
other EPA-approved testing methods if-approved-by acceptable to the Director.

Particulate (PM): 40 CFR 60, Appendix A, Method 5B, or the mestrecentversion-of-the other
EPA-approved testing methods if-approved-by acceptable to the Director. A test shall consist of
three runs, with each run at least 120 minutes in duration and each run collecting a minimum
sample of 60 dry standard cubic feet. The back half condensables shall also be tested using
Method 202. The back half condensables shall not be used for compliance demonstration but
shall be used for inventory purposes.

. Nitrogen Oxides (NOx): 40 CFR 60, Appendix A, Method 7E, or other EPA approved testing
methods acceptable to the Director.

Calculations: To determine mass emission rates (Ib/hr, etc.) the pollutant concentration as
determined by the appropriate methods above shall be multiplied by the volumetric flow rate
and any necessary conversion factors to give the results in the specified units of the emission
limitation.

/S oriorto-the test A-prete
—Notification: The Director shall be
notified at least 30 days prior to conducting any required emission testing. A source test
protocol shall be submitted to DAQ when the testing notification is submitted to the
Director.

. The source test protocol shall be approved by the Director prior to performing the tests.
The source test protocol shall outline the proposed test methodologies, stack to be
tested, and procedures to be used. A pretest conference shall be held, if directed by
the Director.

. Source Operation and Testing Frequency: The production rate during all compliance
testing shall be no less than 90% of the maximum production achieved in the previous
three (3) years.

g. Continuous Emission and Opacity Monitoring.
i. For all continuous monitoring devices, the following shall apply:

. Except for system breakdown, repairs, calibration checks, and zero and span adjustments
required under paragraph (d) 40 CFR 60.13, the owner/operator of an affected source shall
continuously operate all required continuous monitoring systems and shall meet minimum
frequency of operation requirements as outlined in R307-170 and 40 CFR 60.13.

. The monitoring system shall comply with all applicable sections of R307-170; 40 CFR 13; and
40 CFR 60, Appendix B — Performance Specifications.

For any hour in which fuel is combusted in the unit, the owner/operator of each unit shall
calculate the hourly average NOx concentration in Ib/MMBtu.
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D.

H.23.

At the end of each boiler operating day, the owner/operator shall calculate and record a new
30-day rolling average emission rate in Ib/MMBtu from the arithmetic average of all valid
hourly emission rates from the CEMS for the current boiler operating day and the previous 29
successive boiler operating days.

An hourly average NOx emission rate in Ib/MMBtu is valid only if the minimum number of data
points, as specified in R307-170, is acquired by the owner/operator for both the pollutant
concentration monitor (NOx) and the diluent monitor (O2 or CO2).

Source Specific Emission Limitations: Regional Haze Requirements, Reasonable

Progress Controls

a. Intermountain Generation Station

i. Conditions on Units #1 and #2.

A. The owner/operator shall permanently close and cease operation of Intermountain
Generation Station units #1 and #2 by December 31, 2027. The owner/operator shall
notify the Director of the permanent closure of units #1 and #2 by no later than January
31, 2028.

b. PacifiCorp Hunter

i. The annual NO, emissions for the entire Hunter Plant from all point and fugitive sources
shall not exceed 10,514 tons/year based on a 12-month rolling total.

i. As of January 1, 2025, the annual NOx emissions for the entire Hunter Plant from all
point and fugitive sources shall not exceed 10,257 tons/year based on a 12-month rolling
total.

iii. As of January 1, 2028, the annual NOx emissions for the entire Hunter Plant from all
point and fugitive sources shall not exceed 10,001 tons/year based on a 12-month rolling
total.

iv. The above NOx limits shall be monitored in accordance with the procedures outlined in 40
CFR Part 52.21(aa)(12) and at a minimum shall be done by summing up emissions as
follows:

A. For Units #1, #2 and #3 main boiler stacks, PacifiCorp's reporting to EPA's Acid Rain
Emissions data base for NOy in pounds per hour obtained from the boilers' CEM data
shall be used to calculate NOx emission rates.

B. For Units #1, #2 and #3 emergency diesel-fired equipment, emissions shall be
calculated by multiplying the NO4 emission factor from the latest edition of EPA's
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emission factors compilation AP-42 and hours of operation. Records documenting
equipment usage shall be kept in a log, and they shall show the date the equipment was
used and the duration in hours of operation.

C. For the record keeping requirements of each limit, PacifiCorp shall comply with 40
CFR Subpart 52.21(aa)(13).

D. For record submittal, PacifiCorp shall comply with 40 CFR Subpart 52.21(aa)(14).

v. To determine compliance with the 12-month rolling NOy limits, the owner/operator shall
calculate new 12-month total NOy emissions by the 20th day of each month using data from
the previous 12 months. Records of emissions shall be kept for all periods when the plant is

in operation.

vi. Emissions of SO, from Unit #1 and Unit #2 shall not exceed the following limits:

A. 1.2 Ib/MMBtu heat input for any 3-hour period

B. 0.12 Ib/MMBtu heat input based on a 30-day rolling average

vii. Emissions of SO, from Unit #3 shall not exceed 0.12 Ib/MMBtu heat input based on a 30-
day rolling period.

viii. The SO, emissions shall be determined by CEM as outlined in IX.H.21.9.

c. PacifiCorp Huntington

i. The annual NO4 emissions for the entire Huntington Plant from all point and fugitive
sources shall not exceed 6,210 tons/year based on a 12-month rolling total.

ii. As of January 1, 2025, the annual NOx emissions for the entire Huntington Plant from all
point and fugitive sources shall not exceed 6,151 tons/year based on a 12-month rolling total

iii. As of January 1, 2028, the annual NOx emissions for the entire Huntington Plant from all
point and fugitive sources shall not exceed 6,091 tons/year based on a 12-month rolling
total.

iv. The above NOy limits shall be monitored in accordance with the procedures outlined in
40 CFR Part 52.21(aa)(12) and at a minimum shall be done by summing up emissions as
follows:

A. For Units #1 and #2 main boiler stacks, PacifiCorp's reporting to EPA's Acid Rain
Emissions data base for NOy in pounds per hour obtained from the boilers' CEM data
shall be used to calculate NOx emission rates.

B. For Units #1 and #2 emergency diesel-fired equipment, emissions shall be calculated
by multiplying the NOyx emission factor from the latest edition of EPA's emission factors
compilation AP-42 and hours of operation. Records documenting equipment usage shall




be kept in a log, and they shall show the date the equipment was used and the duration
in hours of operation.

C. For the record keeping requirements of each limit, PacifiCorp shall comply with 40
CFR Subpart 52.21(aa)(13).

D. For record submittal, PacifiCorp shall comply with 40 CFR Subpart 52.21(aa)(14).

v. To determine compliance with the 12-month rolling NOx limits, the owner/operator shall
calculate new 12-month total NO, emissions by the 20th day of each month using data from
the previous 12 months. Records of emissions shall be kept for all periods when the plant is

in_operation.

vi. Emissions of SO, from Unit #1 shall not exceed 0.12 Ib/MMBtu heat input (595 Ib/hr) on a
30-day rolling average except during periods of startup, shutdown, maintenance/planned
outage or malfunction.

vii. Emissions of SO, from Unit #2 shall not exceed 0.12 Ib/MMBtu heat input for any 24-
hour block average except during periods of startup, shutdown, maintenance/planned
outage, or malfunction.

viii. The SO, emissions shall be determined by CEM as outlined in IX.H.21.q.

d. US Magnesium

i. The owner/operator shall install and operate a flue gas recirculation (FGR) system on the
60 MMBtu/hr (Riley) boiler no later than January 1, 2028.

ii. Following installation of the FGR system, total annual NOx emissions from the Riley boiler
shall not exceed 22.6 tons per rolling 12-month period.

iii. The emission rate from the Riley boiler shall be determined by stack test. Stack testing
shall be performed at least once every three years.

iv. To determine compliance with the 12-month rolling NOy limit, the owner/operator shall
calculate new 12-month total NOx emissions by the 20th day of each month using data from
the previous 12 months. Records of emissions shall be kept for all periods when the plant is
in operation. To calculate the monthly NO emissions, the owner/operator shall multiply the
Ib/hr NO, emission rate from the most recent stack test by the hours of operation of the Riley
boiler for each month.
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APPENDIX C — Four-Factor Analysis Documents
APPENDIX C.1 - Ash Grove

Appendix C.1.A — Ash Grove Four Factor Analysis Submittal
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APPENDIX C.1.B — Ash Grove UDAQ Four-Factor Analysis
Evaluation
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APPENDIX C.1.C - Ash Grove Evaluation Response
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APPENDIX C.2 - Graymont

APPENDIX C.2.A — Graymont Four Factor Analysis
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APPENDIX C.2.B — Graymont UDAQ Four-Factor Analysis
Evaluation
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APPENDIX C.2.C - Graymont Evaluation Response
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Generally speaking, the 773 Patent relates to a method for reducing NOx emissions from rotary
preheater mineral kilns by coupling the temperature control and gas composition afforded by
high temperature mixing systems with the injection of nitrogen containing chemical additives at
a predetermined location and within an optimal temperature window. The method is specifically
directed to rotary preheater limestone kilns.

The ‘773 Patent includes 9 claims that define its invention, and what LNA has the exclusive right
to make, use, sell and offer for sale. Two of the claims are independent (claims 1 and 9), which
include the broadest recitation of LNA’s invention, and remaining claims 2-8 depend from claim
1.

The 773 Patent claims as its invention a method of reducing NOx emissions in a rotary
preheater limestone kiln having a feed zone, a preheat zone, a calcining zone and a cooling and
discharge zone. Independent claim 1 requires each of the following elements, or an equivalent
thereof:

1. Feeding a supply of limestone to the feed zone;

2. Moving the limestone through the preheat zone having a preheat temperature range
resulting from the circulation of hot gases from the calcining zone to the preheat zone,
the preheated limestone being passed to an upper end of the calcining zone where the
limestone is heated to a temperature and for a time sufficient to convert the limestone to
quicklime;

3. Introducing a source of ammonia or an ammonia precursor at a point where the
temperature in the kiln is within 1600°F to 2200°F;

4. Injecting turbulent air at a preselected point or points downstream of the preheat zone;
and

5. Passing the calcined limestone from the calcining zone to the cooling and discharge
zone and discharging the resulting quicklime from the kiln.

Independent claim 9 requires elements 1, 2, 4 and 5 listed above for claim 1, or an equivalent
thereof, as well as:
6. Introducing a source of ammonia or an ammonia precursor into the limestone upstream
of the primary region of the calcining zone;
7. Introducing the source of ammonia or an ammonia precursor at a point where the kiln
temperature is generally in the preheat temperature range from about 1600°F to 2200°F.

Because no information is available directly from LNA or NDEP as to what the LNA SNCR
technology entails, we are assuming that the LNA SNCR technology mentioned by NDEP is the
SNCR technology described and patented by the ‘773 Patent. Therefore, the LNA SNCR
technology is not commercially available to Graymont because it is protected by the 773 Patent
and LNA has the exclusive right to make, use, sell and offer for sale the LNA SNCR technology.

We have not investigated the validity of the ‘773 Patent, nor do we concede the patentability of
the LNA SNCR technology. However, because the LNA SNCR technology is patented, it is our
belief that LNA will defend its exclusive patent rights if the LNA SNCR technology is
implemented by Graymont or at a minimum expect Graymont to take a license to the ‘773
Patent in order to implement the LNA SNCR technology.

If Graymont is required to implement the LNA SNCR technology, it will likely need to do so
subject to a license from LNA to the ‘773 Patent as the LNA SNCR technology is not
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APPENDIX C.3 — PacifiCorp

APPENDIX C.3.A — PacifiCorp Four-Factor Analysis
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Hunter Power Station
Project No. 11778-036

NOx Control Cost Development and Analysis Page 10

circulate the 50% urea solution. Process heat tracing would be required to keep the urea solution
above 80°F.

¢ Urea Dilution and Metering. Dilution water would be pumped to the metering modules located in
the unit, where it would mix with the 50% urea solution prior to injection into the boiler. Dilution

of the urea solution to approximately 5 wit% urea is required prior to injection. Variable
frequency drives would be utilized to maintain a constant pressure of dilution water in response to
changing flow demands. The metering modules provide flow and pressure control of the fluids
used in the SNCR process.

e Diluted Urea Distribution and Injection. The distribution modules would provide diluted urea
solution and atomizing air to individual injectors. The modules are typically located ncar the
injectors on the same elevation. Diluted urea solution is fed from the dilution/metering modules

to the distribution modules. The distribution module distributes atomizing air and urea solution
to cach injector. The injectors are used for dispersion of diluted urea solution within targeted
arcas of the boiler. Design, quantity, type and placement of the injectors are critical to SNCR
performance; furnace temperature, residence time, and droplet size are important design
parameters controlled by injector placement. The exact locations of the injectors would be
determined by the SNCR OEM based on computational fluid dynamics (CFD) modeling of the
furnace. For the SNCR cost estimate, exact injector locations were not selected; however, it was
assumed that the units would require a minimum of three injection levels to cover the entire load
and temperature profile within the boiler.

o Raw Water & Water Treatment. It was assumed that raw water would be utilized for urea
dilution water; therefore, no water treatment system was included in this cost estimate.

o Plant and Instrument Air System. The addition of the SNCR system adds a large air user to each
unit. To meet the air consumption requirements for the atomizing air, compressors would be

added per unit. These compressors would also provide compressed air to all new intermittent-
users (e.g., valves, instruments, tools, etc.); therefore, no additional compressed air load would be
added to the plant’s existing compressed air systems. All air would be dried to -40°F dew pomnt
by implementing regenerative desiccant dryers. Instrument air piping would be stainless steel.

e Air Heater Evaluation. At the temperatures typically found in the air heater, excess ammonia
from the SNCR can react with sulfur trioxide in the flue gas to form ammonium bisulfate in the
intermediate section of the air heater. Based on operating experience with medium sulfur fuel, air
heater plugging and corrosion may become an issue on these units. Therefore, an allowance for
air heater modifications was included in the estimate.

e Fire Protection System. Fire protection for the new pre-engineered buildings would include
alarm and detection, as well as fire extinguishers. It is anticipated no additional fire hydrants, or a
dispersion system will be required for the urea unloading area.

o Furnace Modifications. Penctrations in the boiler water wall would be required at the injector
locations. To support the injector penetrations, water wall tubes would need to be removed and
replaced with tubes curved around the penetration location, a boot, and a flange, to which the
injectors are mounted. In some instances, additional structural reinforcement may be required to
support the injectors.
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APPENDIX C.3.B — PacifiCorp UDAQ Four-Factor Analysis
Evaluation
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APPENDIX C.3.C - PacifiCorp Evaluation Response
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Bryce BirdResponse to UDAQ's

Page 5

a. SCR emissions rates: In the analysis included with the June 16% letter,

UDAQ indicated that the SCR emission rate should be lower than 0.05
Ib/MMBtu. The indicated SCR NOXx reductions are unit-specific
incremental improvement estimates based on each specific unit’s boiler
operational characteristics and the existing installation of low-NOx
burners with separated overfire air. The proposed 0.05 Ib/MMBtu SCR
emission rate is consistent with the lowest guaranteed emission rates
that have been reported for SCR technology. The SCR emission rate of
0.05 Ib/MMBtu 1s the rate that is reasonably achievable with these
controls and is in the lower end range of what can be achieved with
these technologies on an emission basis (Ib/MMBtu), and is consistent
with permit/design limits for similar systems.

. EPA has found this rate to be appropriate for these specific units. See

85 FR 75860, 75868 (“Additionally, while the commenters cite actual
annual emission rates found in the EPA's Air Markets Program
Database (AMPD) to support their claim that an annual emission rate
of 0.04 Ib/MMBtu is achievable with SCR, a more thorough review of
the data supports the EPA's conclusion that an annual emission rate no
lower than 0.05 Ib/MMBtu is representative of what can be achieved
when retrofitting SCR to an existing boiler. . . . Notwithstanding the
site-specific nature of SCR retrofits, these data support the conclusion
that an annual emission rate of 0.05 Ib/MMBtu is appropriate for the
Utah BART units, and confirm that the assumption is relatively
conservative because the majority of EGUs equipped with SCR have
actual annual emission rates that are higher.”). Utah has supported this
position previously and should not change that position now.

. EPA has found the 0.05 Ib/MMBtu NOx emissions rate appropriate for

many other regional haze-related SCR analyses. See e.g., Arkansas,
81 FR 66332, 663837-38 (September 27, 2016) (“Regarding the Sierra
Club's consultant's SCR control cost analysis, we do not believe that a
NOX emission limit of 0.04 Ibs/MMBtu has been maintained on a 30
boiler-operating-day average at other similar facilities. We conclude
that, as we did in our New Mexico FIP, a 30 boiler-operating-day NOX
average of 0.05 lbs/yMMBtu is an appropriate assumption for SCR
installation at the Flint Creek facility.”); New Mexico, 79 FR 60978,
60984 (Oct. 9, 2014) (“We disagree that lower control rates needed to
be evaluated for SCR. We evaluated the monthly emission data from
these two facilities for the past several years (available at EPA's Air
Market Program data Web site: www.epa.gov/ampd). All three units
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Bryce BirdResponse to UDAQ's

Page 6

have monthly emission rates that sometimes exceed 0.04 1b/MMBtu.
Indeed, the Morgantown units have months where the monthly
emission rate is 0.05 Ib/MMBtu or higher. In promulgating the FIP, we
evaluated the performance of both new and retrofit SCRs and
determined that 0.05 1b/MMBtu on a 30-boiler-operating-day average
was the appropriate emission limit for SCR at the SIGS units.™).

. SCR Cost Impacts: PacifiCorp anticipates that the financial

consequences of a requirement to install SCR on any of the Hunter or
Huntington units would be early retirement of the unit. Due to the
substantial capital costs of SCR, the associated O&M costs, the
parasitic load imposed by the SCR, the transmission constraints within
which the Hunter and Huntington plants operate, and the increasingly
competitive energy markets and regulatory restrictions that govem
PacifiCorp’s operations in Utah, an SCR determination for the Hunter
or Huntington units would have such an enerous financial impact that
PacifiCorp would be forced to retire the units rather than install the
SCR.

. Even where a control technology may be found cost effective, EPA’s

regulations allow decision makers to take a source’s ability to afford a
technology into account if “the installation of controls would affect the
viability of continued plant operations.” 40 CFR part 51, appendix Y,
sectionI'V.E.3.1.3. Such consideration is appropriate where “effects on
product prices, the market share, and profitability of the source . . . are
judged to have a severe impact on plant operations.”

. If UDAAQ is seriously considering SCR as a requirement for any unit to

fulfill second planning period requirements, PacifiCorp requests
additional time to provide “an economic analysis that demonstrates, in
sufficient detail for public review, the specific economic effects,
parameters, and reasoning” to show such a requirement would have a
severe impact on unit operations. See, e.g. 79 FR 5032, 5171 (2014)
(discussion of an affordability analysis for the Laramie River plant in
Wyoming); 76 FR 36334 (2011) (discussion of an affordability analysis
for the TASCO facility in Idaho); 78 FR 79344, 79353-54 (2013) (using
an affordability analysis to reject a BART control at the Intalco plant in
Washington).

7. More support for RPEL: UDAQ requests additional information on

methodology for selecting the RPEL allowable limits in the original four-
factor analysis. This is provided below.
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Bryce BirdResponse to UDAQ's

Page 7

a. PALs: are voluntary permit limits that PacifiCorp proposed and UDAQ

implemented. PALS were established so that the PAL pollutants (NOx
and SO2) are exempt from future NSR/PSD permitting actions as long
as emissions for the pollutants stay below the PALs. It is expected that
PacifiCorp operate below the PALs, since a margin of safety/error is
expected for permit limits. PacifiCorp believes it is important that
companies not be “punished” for operating within a safe margin below
their permit limits.

. PacifiCorp used the following 4-step methodology to select the RPEL

allowable limits put forth in its original four-factor analysis:

1. First, each unit’s maximum boiler heat input was multiplied by
an SNCR-equivalent I[b/MMBtu NOx emission rate to calculate
the potential annual NOx emission rate for each unit (tons/year)
if SNCR were implemented.

ii. Second, the individual unit SNCR-equivalent annual NOx
emissions were summed to determine the total facility potential
NOx emissions if SNCR were implemented. For Hunter this
value was 12,235 tons/year, and for Huntington it was 7,386
tons/year.

ii1. Third, each facility’s PAL-permitted annual SO, emission limit
was added to the SNCR-equivalent NOx emissions. Hunter has
an SO, PAL limit of 5,537.5 tons/year and Huntington has an
SO, PAL limit of 3,105 tons/year. Summing the SO, PALs with
the SNCR-equivalent annual NOx emissions provides NOx +
SO, values of 17,773 tons/year for Hunter, and 10,491 tons/year
for Huntington.

iv. Fourth, the summed values were rounded down to the nearest
1,000 ton/year value to ensure emission reductions below the
potential SNCR values. This provided the proposed RPEL values
of 17,000 tons/year for Hunter and 10,000 tons/year for
Huntington.

¢. PacifiCorp used this process to demonstrate that the proposed RPEL

limits were both: (1) less that the plants’ existing NOx + SO, PALs.
(Hunter’s current NOx + SO, PALSs are equivalent to 20,632 tons/year
and Huntington’s are equivalent to 11,076 tons/year) and (2) less than
reductions that would be achieved through installation of SNCR on all
units.

. UDAQ has also requested PacifiCorp to consider a revised RPEL or

other options to address historical and recent actual emission trends.
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Bryce BirdResponse to UDAQ's

Page 8

PacifiCorp is currently analyzing options in response to this request and
would like to discuss with the agency its concerns about UDAQ’s
approach. We would like to further discuss the appropriate ways to
address these second planning pericd issues in light of the current Tenth
Circuit mediation process for the first planning period SIP.

8. Visibility considerations

a. Section 2.0 of UDAQ’s analysis refers to the “four-factor” test for

reasonable progress, but there 18 no mention of “visibility
improvement”. In previous reascnable progress determinations during
the first planning period, EPA explicitly relied on modeled visibility
impacts in addition to the four factors to determine appropriate
emission reduction measures. See North Dakota v. U.S. EPA, 730 F.3d
750 (8th Cir. 2013) and National Parks Conservation Assoc. v. U.S.
FEPA,788 F.3d 1134 (9th Cir. 2015). No changes have been made to the
applicable statutes or rules that would mandate a different approach.

. PacifiCorp strongly urges UDAQ to give the visibility factor significant

weight in its regional haze “visibility improvement” program. The
statute that forms the legal basis for the Regional Haze Program
declares that the goal of the program is “the prevention of any future,
and the remedying of any existing, impairment of visibility in
mandatory class I Federal arcas which impaimment results from
manmade air pollution.” See 42 U.S.C. § 7491(a)(1) (emphasis added),
see also 86 FR 15104, 15105 (*“The regional haze regulations require
states to demonstrate reasonable progress toward meeting the
national goal of restoring natural visibility conditions for Class I arecas
by 2064.”), 85 FR 3558, (“Regional haze SIPs must assure reasonable
progress toward the national goal of achieving natural visibility
conditions in Class I areas, which, for the first implementation period,
includes satisfying the BART requirements.”). Therefore, any actions
required by a state’s regional haze SIP must prevent, or remedy
existing, visibility impairment in Class I areas, and it is the state’s
burden to establish the same. EPA guidance therefore correctly allows
states discretion to consider “visibility improvement” in their 2PP
analysis.

1. “EPA has also explained that, in addition to the four statutory
factors, states have flexibility under the CAA and RHR to
reasonably consider visibility benefits as an optional fifth factor
alongside the four statutory factors. Here, again, the 2019
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Discount Rate for SCR Control Costs at Hunter and Huntington

PacifiCorp’s discount rate, or its actual weighted average cost of capital, is calculated using the
rates approved by the six state regulatory authorities where PacifiCorp conducts business and
the percentage of energy delivered by PacifiCorp to each of those states. PacifiCorp’s actual
weighted average cost of capital is 7.303% using an authorized return weighted by Year 2020
retail sales. See Exhibit A. This rate is historical and does not change dramatically from year to
year.

According to EPA’s updated Cost Control Manual, SCR costs should be estimated using the total
capital investment (“TCI*) methodology.! The TCl methodology accounts for financing costs,
including interest rates. As EPA explains, “The interest rate at which a firm borrows is a key
component in estimating the total costs of compliance”? with a government regulation, and

EPA recommends using a source’s actual borrowing rate when possible:

Different firms may structure how they finance their purchases differently. Some may
choose to finance their purchases through cash holding or other means of equity; some
may choose to borrow to finance their investment. When firms choose to borrow,
depending on the size of the investment, borrowing could be structured very differently
at very different interest rates given the choices firms have for financing an investment.
... For input to analysis of rulemakings, assessments of private cost should be prepared
using firm-specific nominal interest rates if possible. . . . In assessing these private
decisions, interest rates that face firms must be used, not social rates.?

PacifiCorp’s interest rate for all capital investments, including required regulatory investments
such as an SCR, is governed by its state regulators. PacifiCorp finances its capital expenditures
using a mix of debt and common equity capital of approximately 48/52 percent, respectively,
which aligns with the average capital structure approved in the six state jurisdictions where the
company operates. State regulators also approve the cost of debt and cost of equity assigned to
the components of the capital structure. The resulting interest rate, more commonly referred
to as the weighted average cost of capital, is a weighting of the Company’s cost of debt and
cost of equity multiplied by the approved debt and equity components of the capital structure.*

1 EPA, Cost Control Manual, Ch. 2 (Selective Catalytic Reduction), s. 2.4.1 (June 2019). See also
79 FR 5032, 5136-37 (Wyoming) (Jan. 30, 2014) (discussing that cost analysis for an SCR
requirement is “related to government regulations” and involves a discount rate).

2 EPA Cost Control Manual, Section 1, Ch. 2 (Cost Estimation: Concepts and Methodology), s.
2.5.1(Nov. 2017}, at 15.

31d.

4 PacifiCorp must maintain an average overall common equity component in excess of 52
percent to maintain its credit rating and finance the debt component of its capital structure at

1
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Differences Between Utah’s and PacifiCorp’s Calculations of SNCR Cost Effectiveness

One of the key sources of discrepancies between PacifiCorp’s and UDAQ’s SNCR cost
effectiveness values is UDAQ’s reliance on the SNCR Cost Calculation Spreadsheet which is
included in the EPA Air Pollution Cost Control Manual (CCM). This results in a significant
discrepancy in capital costs for SNCR between UDAQ’s and PacifiCorp’s analyses. For
example, UDAQ’s capital cost for Hunter Unit 1 is approximately $11M, while PacifiCorp’s is
approximately $16M. The large discrepancy is primarily the result of UDAQ’s reliance on the
generic estimate in EPA’s CCM SNCR spreadsheet vs. S&L’s site-specific engineering estimate.
The CCM spreadsheet includes EPA’s disclaimer that “actual costs may vary from those
calculated here due to site-specific conditions, such as the boiler configuration and fuel type.
Selection of the most cost-effective control option should be based on a detailed engineering
study and cost quotations from system suppliers.”” EPA, Air Pollution Control Cost Estimation
Spreadsheet For Selective Non-Catalytic Reduction (SNCR) Excel workbook, June 2019, Read
Me tab. In other words, EPA’s CCM SNCR guidance indicates that specific, detailed engineering
and cost estimates, such as that developed by PacifiCorp, are preferable to the generic SNCR
cost estimate based on the CCM.

The cost analysis provided by PacifiCorp and S&L is a detailed engineering study based on site-
specific conditions and quotations from system suppliers as recommended by the CCM.
PacifiCorp’s cost estimate is a more accurate representation of the cost effectiveness of SNCR at
the Hunter and Huntington units than the cost effectiveness values provided by using the CCM
spreadsheet. The resulting differences are significant. For example, for Hunter Unit 1 the UDAQ
analysis calculates a total capital investment (TCI) of $11,272,568 and a direct annual cost
(O&M) of $1,705,334 per year. The PacifiCorp estimate calculates a TCI value of $16,004,000
and an annual O&M cost of $2,168.400. This is after adjusting PacifiCorp’s costs by using
UDAQ’s 3.25% interest rate and $30/MWh electrical power cost.

Specific discrepancies between PacifiCorp’s unit specific and UDAQ’s more generalized
analysis are outlined below.

1. NOx Control Rate: UDAQ and PacifiCorp used different NOx control efficiencies for
SNCR. UDAQ used SNCR NOx control efficiencies ranging from 21.1% to 23.0%.
PacifiCorp originally used its anticipated SNCR-controlled rates based on boiler firing
configurations, baseline NOx rates and anticipated NOx emission limits following the
implementation of SNCR. These rates are within the typical range for units of similar size
and baseline NOx rates. However, PacifiCorp has subsequently revised its cost
effectiveness determinations using a 20% NOx reduction rate, which is a typical
manufacturer-guaranteed performance rate for similar boilers. Using this rate is more
conservative and is consistent with the methodology used for the SCR cost effectiveness
calculations.

2. Heat Input: UDAQ’s estimated heat input values as calculated using the CCM
methodology are much lower than PacifiCorp’s actual boiler heat input values (excluding
Hunter Unit 3). Further, the CCM spreadsheet is designed to utilize a nef boiler heat input
rate. UDAQ miscalculated the boiler heat input values by using annual Acid Rain gross
generation data from CAMD (averaged from 2015-2020) to calculate unit heat rates. Net
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The Sunnyside Cogen four-factor analysis of installing a dry scrubber included the costs of also installing
a new baghouse, even though the CFB boiler already is equipped with a baghouse. The Sunnyside four
factor analysis does not explain why a new baghouse would be required with dry scrubbing. The
analysis does say that for hydrated ash reinjection, “a larger particulate control device would likely be
required to handle the increased particulate matter in the flue gas.” Yet, the company claimed that it did
not consider hydrated ash reinjection as technically feasible for the Sunnyside CFB boiler, due to its
claim that the fly ash at Sunnyside only contains 10% unreacted calcium oxide and that “even if adding
reagent would be feasible it would likely require the installation of an enhanced baghouse....” However,
nothing in the company’s description of dry scrubbing in the four-factor analysis indicated or justified
that a new baghouse would be necessary with dry scrubbing. Yet, in a subsequent section of the four-
factor analysis, Sunnyside inexplicably stated that use of dry scrubbing technology at Sunnyside “also
requires the installation of an additional baghouse to remove particulates generated from dry scrubbing
operation.” Other than this statement, there was no justification for a new baghouse for dry scrubbing
provided.

Before one can determine whether an upgraded baghouse would be necessary for dry scrubbing, more
information on the details of the existing baghouse and existing PM rates must be provided. It must be
noted that the Sunnyside four-factor analysis indicates that the coal used at the CFB boiler has a very
high ash content. This is not unusual for a CFB boilers which often burn waste coal. The existing
baghouse thus had to be designed for a high level of ash content. There likely was some level of
additional particulate loading built into the design of the existing baghouse. In addition, there is some
evidence that a baghouse used in conjunction with sodium-based sorbents, rather than the more
traditional lime-based sorbents, can achieve 70-90% SOz control without any increase in particulate
matter loading. This option was not evaluated.

3. Sunnyside’s analysis was inconsistent regarding the amount of sorbent required and the possible
resulting efficiency

The Sunnyside Cogen four-factor analysis assumed lime would be used at the reagent for the dry
sorbent injection at a ratio of 3 tons of sorbent to 1 ton of SOz emitted and assumed 74% SOz control
would be achieved. One table of the Sunnyside DSI cost list assumes a lime injection rate of 500 Ib/hr,
although the company’s annual operational cost analysis assumed that 1,413 tons per year of lime
would be required which, assuming the claimed baseline operating hours of 8,031 hours/year, equates
to 352 Ib/hr.

Using the Sargent & Lundy formula for estimating the amount of lime needed for the Sunnyside CFB
boiler and assuming that use of lime could achieve Sunnyside’s planned 74% SO: reduction indicates
that the lime injection rate would need to be 0.0921 tons per hour or 184 Ib/hour, which is much lower
than the 352 to 500 pounds of lime per hour assumed in the Sunnyside cost analysis for dry sorbent
injection. Sunnyside should correct these inconsistencies, or at least explain which value is correct.

4. The Sunnyside dry sorbent injection analysis assumed too high of a cost for auxiliary power

The Sunnyside Cogen analysis assumed an auxiliary power demand of 0.67% of total electrical
generation. Sunnyside used the uncontrolled SO2 emission rate for Sunnyside’s CFB boiler of 1.7
Ib/MMBtu rather than the currently controlled SO: rate claimed by Sunnyside of 0.17 Ib/MMBtu in its
calculations of auxiliary power demand. The dry sorbent injection system will only need to reduce SO
emissions from the current 0.17 Ib/MMBtu rate exiting the CFB boiler, and not the uncontrolled SO: rate
of the coal. In addition, in calculating the costs of auxiliary power, Sunnyside used an electricity cost of
$74.68/MWhr, which it said is the “current revenue” from Sunnyside. The Sunnyside dry sorbent
injection cost analysis also states that “[c]ost conservatively represents lost revenue from electricity that
could be sold to the grid and does not include operating costs of the boiler.” However, EPA’s Control
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Cost Manual states that the cost for auxiliary power for electrical generating units should use the busbar
cost for electricity. The busbar cost is the cost of producing the electricity, not the revenue made or sale
price of the electricity.

Sunnyside’s cost for electricity usage due to dry sorbent injection at its CFB boiler was a significant part
of its annual operating costs. At an estimated $232,862 for auxiliary power, Sunnyside’s projected
electricity cost was 59% of its total direct annual costs of dry sorbent injection. However, Sunnyside
clearly overstated the costs for auxiliary power. Even at the Company’s stated electricity cost of
$74.68/MWhr, the total cost for electricity should not have been any more than the following:

0.028% x 58.33 MW x 8031 hours/yr x $74.68/MW-hr = $9,795 per year.

Sunnyside’s claimed cost of $232,862 per year for electricity is almost 24 times higher than what the
Sargent & Lundy IPM power formula calculates would be the auxiliary power needs using lime as the
sorbent to achieve 74% SO: control. Clearly, Sunnyside’s operational expenses are overstated.

5. The Sunnyside dry scrubbing cost analysis improperly included annual costs for taxes and insurance and
assumed unreasonably high annual costs for administrative charges.

The Sunnyside Cogen dry scrubbing analysis included annual costs for administrative charges, taxes and
insurances that totaled 4% of the total capital investment. Utah has a tax exemption for air pollution
controls in R307-120. There is no justification for including annual costs equating to 2% of the total
capital investment for taxes. With respect to administrative costs, Sunnyside assumed annual costs of
dry sorbent injection equating to 2% of the total capital investment per year which, based on the
company’s dry sorbent injection cost estimates, would equate to $168,020 per year. EPA does not
assume anywhere near that high of an administrative cost for SCR in its SCR cost spreadsheet.
Specifically, EPA estimates annual administrative charges for SCR based on the formula 0.03 x Operator
Cost + 0.4 x Annual Maintenance Cost. The administrative costs for operating dry sorbent injection
should not be any higher than the administrative costs for operating SCR and would likely be lower. For
the dry sorbent injection system costs as presented by Sunnyside, EPA’s administrative cost equation of
its SCR spreadsheet would indicate the following annual administrative costs for dry sorbent injection:

0.03 X ($22,310.63 + $3,346.59) + 0.4 x ($22,310.63+$22,310.63) = $18,741 per year

This estimated $18,741 per year for administrative overhead is almost 9 times lower than the $168,020
per year administrative cost estimate provided by Sunnyside Cogen. Thus, it appears that Sunnyside
greatly overstated annual administrative costs of operating dry sorbent injection at the Sunnyside CFB
boiler.

6. The Sunnyside dry scrubbing cost analysis improperly assumed a 30% increase in cost as a retrofit
factor

The Sunnyside Cogen four-factor analysis assumed a 1.3 retrofit factor for the dry sorbent injection part
of the evaluation of dry scrubbing. This same retrofit factor was also applied to the cost analysis for SCR
and SNCR as well. Yet, the company did not provide any justification for application of a retrofit factor
for any of these control options at the Sunnyside CFB boiler. EPA’s SCR and SNCR cost spreadsheets
state that "[y]ou must document why a retrofit factor of 1.3 is appropriate for the proposed project.”
For SNCR systems, EPA has stated no additional retrofit factor is justified for its SNCR spreadsheet,
because it already applies a retrofit factor for installation of SNCR at an existing facility compared to
installation at a new source. For retrofitted SCR systems, it must be noted that EPA’s SCR chapter in its
Control Cost Manual already provides for a 25% increase above the cost of SCR at a new greenfield
coal-fired boiler in its SCR cost spreadsheet, because EPA’s spreadsheet calls for use of a 0.8 retrofit
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10.

factor for an SCR installation at a new facility and a “1” retrofit factor for an average SCR retrofit.
Further, given that most utility boilers that have retrofitted an SCR reactor likely were not planned or
designed for an SCR reactor to be installed, the average retrofit costs that EPA’s SCR cost spreadsheet
calculates take into account some of the difficulties like lack of space and the need to elevate the SCR.

The Sunnyside dry sorbent injection cost analysis used too high of an interest rate and too short,
expected life when amortizing costs

The Sunnyside dry sorbent cost analysis assumed a 7% interest rate and a 20-year life in amortizing the
capital cost of this control system. The current bank prime rate is 3.25%. The Federal Reserve has
indicated that it expects interest rates to remain at these low levels at least through 2023. Thus, a much
lower interest rate should have been used to amortize capital costs of dry sorbent injection. Sunnyside’s
use of a higher than realistic interest rate would overstate the annualized capital costs by amortizing the
capital costs over the life of controls at an unreasonably high interest rate.

Sunnyside Cogen also only assumed a 20-year life for the dry sorbent injection system. EPA assumed a
30-year life of DSI in cost effectiveness calculations for this control at several Texas power plants.
Sunnyside should have evaluated a 30-year life for the dry sorbent injection system.

Sunnyside assumed too high of an interest rate and too short of a life of controls in determining the
annualized capital costs of SNCR and SCR

The Sunnyside SCR and SNCR cost effectiveness analyses assumed a 4.75% interest rate and a 20-year
life of both SCR and SNCR. While the 4.75% interest rate used in the SCR and SNCR cost analysis is
much lower than the 7% interest rate used in Sunnyside’s dry sorbent injection cost analysis, a 4.75%
interest rate is still an unreasonably high interest rate to assume in a cost effectiveness analysis. It is
unclear why a different interest rate was chosen for this analysis — at the very least one would assume
the interest rates to be the same. The current prime bank rate of 3.25% should be used or the source
should provide a detailed justification for using a firm-specific interest rate.

With respect to the assumed 20-year life of SCR and SNCR, EPA has stated that the life of an SCR
should be 30 years. In its SCR chapter of its Control Cost Manual, EPA included several sources for its
assumed 30-year life of an SCR system at a power plant. Absent an enforceable retirement date on the
remaining useful life of the Sunnyside CFB plant, it is reasonable to assume a 30-year life in estimating
cost effectiveness of SCR, as EPA states in its Control Cost Manual.

Sunnyside assumed a very high cost for aqueous ammonia that was not justified.

In its SNCR and SCR cost analyses, Sunnyside Cogen assumed a cost for 29.4% aqueous ammonia of
$2.50 per gallon. EPA’s SNCR and SCR cost spreadsheets assumes a significantly lower cost at $0.293
per gallon for 29.4% aqueous ammonia, citing to the USGS Minerals Commodities Summaries.
Sunnyside provided no justification or basis for assuming a cost for aqueous ammonia that is 8.5 times
higher than the cost of aqueous ammonia used in EPA’s SNCR cost estimation spreadsheet, other than
to put a note in the spreadsheet printouts that it was "[s]ite-specific information” and that they “[u]sed
average cost of ammonia supplier costs.”

Sunnyside assumed a higher cost for electricity than it assumed in its dry sorbent injection analysis
In its SCR and SNCR cost analysis, Sunnyside assumed a cost for electricity of $0.0821/kW. Yet, in its
dry sorbent injection analysis, Sunnyside Cogen assumed a lower electricity cost of $0.07468/kWhr,

which the Company said is the “current revenue” from Sunnyside. As previously stated, it does not
appear that the electricity cost used in the dry sorbent injection cost analysis was the most appropriate
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In the draft SIP UDAQ writes that “Utah has analyzed the WRAP photochemical modeling for
OTB 2028 and found that emissions from Utah do not significantly impact visibility at CIAs in
other states.” While it does not appear that this conclusion impacted the source selection
process, it is not clear how Utah used this conclusion or whether it influenced their control
technology determinations.

UDAQ’s conclusion is not compatible with our findings regarding the impact of Utah sources in
Class I areas of neighboring states, and we recommend that UDAQ revise this section of the
draft STP. We have several concerns with this statement in the draft SIP.

First, UDAQ’s proposed threshold of 10% of total US Anthropogenic Impact for determining
what constitutes a "significant impact” is quite high. For comparison, in their Cross State Air
Pollution Rule (CSAPR), EPA established a "one percent of the ozone NAAQS" screening
threshold to determine whether a state’s contribution to ozone in a “downwind” state is
significant:

The Agency also provides . . . interstate contributions that are at or above the
one percent of the NAAOS screening threshold.

Not only is this 1% value much lower than the 10% threshold that UDAQ is using, but it is also a
fixed, absolute value based upon a fraction of a constant value for the ozone NAAQS. An
analogous approach would be to use 1% of the value (in Mm™) for natural visibility conditions
on the most-impaired days (MID) at a given CIA as a threshold for a significant contribution to
visibility impairment.

Second, we have fundamental concern with using percentages of current (or 2028) impact to
characterize significance. This is because the threshold is dependent on the haze levels in the
given class [ area. The more-impacted a given Class I area is, the greater the absolute value of
the impact will need to be to “trigger” the threshold. This could lead to an underestimation of the
impact of a given facility on a heavily-impacted Class I area. (A percentage of a big number is a
big number, whereas the same percentage of a smaller number 1s much smaller.) For example, in
2016 we modeled the impacts of the BART Alternative using CALPUFF and estimated a 1.39 dv
impact at Mesa Verde National Park, which indicates that Hunter and Huntington cause visibility
impairment there. However, the WEP percentages and rankings downplay the importance of
these facilities at Mesa Verde National Park.

Finally, this conclusion is not compatible with our understanding of previous modeling studies.
As part of our 2016 comments to EPA on the BART Alternative for PacifiCorp’s Hunter and
Huntington power plants, the NPS conducted long range transport CALPUFF modeling analyses
to evaluate the impacts from the different alternatives on visibility at eight NPS Class I areas.
This analysis found that Hunter and Huntington were significant contributors to visibility
impairment at all eight Class I areas, including the Utah national parks as well as Black Canyon
of the Gunnison, Grand Canyon, and Mesa Verde National Parks in neighboring states. Further,
m its 2019 BART Alternative proposal, PacifiCorp modeled impacts at 15 Class I areas, ten in
neighboring states.

438







































































































































APPENDIX D.2 — NPS Additional Information Requests

APPENDIX D.2.A - Sunnyside

483












APPENDIX D.2.B — US Magnesium

N
N

487









APPENDIX D.2.C — PacifiCorp

N
N

490












APPENDIX D.3 - USFS Feedback

Q
S

494


















	APPENDIX A – Part H Language for Enforcement of Reasonable Progress Determinations
	H.21. General Requirements: Control Measures for Area and Point Sources, Emission Limits and Operating Practices, Regional Haze Requirements
	H.23. Source Specific Emission Limitations: Regional Haze Requirements, Reasonable Progress Controls

	APPENDIX B – Interstate Consultation Agreements
	APPENDIX C – Four-Factor Analysis Documents
	APPENDIX C.1 - Ash Grove
	Appendix C.1.A – Ash Grove Four Factor Analysis Submittal
	APPENDIX C.1.B – Ash Grove UDAQ Four-Factor Analysis Evaluation
	APPENDIX C.1.C - Ash Grove Evaluation Response
	APPENDIX C.2 - Graymont
	APPENDIX C.2.A – Graymont Four Factor Analysis
	APPENDIX C.2.B – Graymont UDAQ Four-Factor Analysis Evaluation
	APPENDIX C.2.C - Graymont Evaluation Response
	APPENDIX C.3 – PacifiCorp
	APPENDIX C.3.A – PacifiCorp Four-Factor Analysis
	APPENDIX C.3.B – PacifiCorp UDAQ Four-Factor Analysis Evaluation
	APPENDIX C.3.C - PacifiCorp Evaluation Response
	APPENDIX C.4 – Sunnyside
	APPENDIX C.4.A
	APPENDIX C.4.B – Sunnyside UDAQ Four-Factor Analysis Evaluation
	APPENDIX C.4.C - Sunnyside Evaluation Response
	APPENDIX C.5 - US Magnesium
	APPENDIX C.5.A
	APPENDIX C.5.B – US Magnesium UDAQ Four-Factor Analysis Evaluation
	APPENDIX C.5.C - US Magnesium Evaluation Response
	APPENDIX D – FLM Review
	APPENDIX D.1 – National Parks Service Comments
	APPENDIX D.2 – NPS Additional Information Requests
	APPENDIX D.2.A - Sunnyside
	APPENDIX D.2.B – US Magnesium
	APPENDIX D.2.C – PacifiCorp
	APPENDIX D.3 - USFS Feedback

